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abstract

This paper addresses the mechanisms needed to coordinate vertically and horizontally disaggregated actors in electricity distribution systems. The mechanisms
designed to coordinate planning, investments, and operations in the electric power
sector were designed with minimal participation from either the demand side of the
market or distributed energy resources (DERs) connected at distribution voltages.
The emergence of DERs is now animating consumers and massively expanding
the number of potential investors and participants in the provision of electricity
services. We highlight how price signals—the primary mechanism for coordinating investments and operations at the transmission level—do not adequately
coordinate investments in and operations of DERs with network infrastructure.
We discuss the role of the distribution system operator in creating cost-reflective
prices, and argue that the price signals governing transactions at the distribution
level must increasingly internalize the cost of network externalities, revealing the
marginal cost or benefit of an actor’s decisions. Price signals considered include
contractual relationships, organized procurement processes, market signals, and
regulated retail tariffs. This paper is the second part of a two-part series on competition and coordination in rapidly evolving electricity distribution systems.
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1. INTRODUCTION AND FRAMING
Distributed energy resources (DERs)1 and digital technologies dramatically expand the
number of potential investors in and operators of power system infrastructure, challenging traditional means of planning and coordinating the construction of generation, storage, and network
assets. Distribution-connected resources have historically not participated in traditional means of
1. A DER is any resource capable of providing electricity services that is located in the distribution system. DERs include
distribution-connected demand response, generation, energy storage, and energy control devices.
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executing least cost, security-constrained dispatch of generation and typically face inefficient retail
tariffs as opposed to market-determined prices. Thus, the emergence of DERs is challenging the
structures historically used to coordinate investments in power system infrastructure in the medium
and long term, and to coordinate supply and demand to ensure reliable operations of power systems
in real time.
During the wave of restructuring that swept through the electricity industry in the 1980s,
1990s, and 2000s, regulators established or sanctioned market constructs in order to ensure efficient
pricing and the development of an efficient mix of transmission and generation assets in the short
and long run (European Commission, 2009; FERC, 1999; P. L. Joskow, 1996). Today, the emergence of DERs is spurring regulators to engage in analogous debates over how to ensure the efficient
utilization of and investment in both DERs and the system’s conventional suite of network, generation, demand, and storage resources. Existing industry structures need to be revisited once again, to
guarantee that they do adequately achieve these goals.
This is the second paper in a two-part series that explores the implications of decentralization and digitization for competition and coordination in electricity distribution systems. Part 1 analyzes the economic characteristics of the distribution-level roles required for efficient planning and
operation of the power system and the implications of these characteristics for industry structure,
competition, market development, and economic efficiency. Part 2 (this paper) analyzes the pricing
mechanisms and institutional arrangements needed to coordinate actions between the distribution
network owners and operators, bulk power system stakeholders, DER owners, and electricity consumers.
Efficient coordination of investments and operations of a mix of generation and energy
storage devices at various scales, demand-side flexibility, and transmission and distribution network
assets holds the potential to reduce overall electricity costs relative to a system with uncoordinated
investments (Baldick & Kahn, 1993; Ignacio J. Pérez-Arriaga et al., 2016). In power systems where
actors remain vertically integrated across generation, transmission, distribution, and retail, this coordination requires a set of internal planning and operating decisions and appropriate external price
signals, incentives and/or communications with electricity users. In systems with competition in
generation and/or retail, this coordination requires multilateral arrangements between monopoly
network providers and market actors and, in many cases, market-facilitated price signals and contracts for energy, capacity, and ancillary services. Wholesale market constructs and the planning
processes orchestrated (in part) by bulk system balancing authorities (BAs)2 provide the frameworks
for coordinating investment planning and operation at the bulk system level, but similar arrangements are nascent or non-existent at the distribution level.
Sections 2 and 3 provide a literature review and background on the interplay between industrial structure and coordination of actors. Section 4 begins with a discussion of which actor—the
distribution system operator or the bulk system balancing authority—will be responsible for price
formation at the distribution level. Section 4 discusses necessary improvements in short term price
signals, and Section 5 discusses the role of long-term contracts and forward markets for distribution
level services.
2. We refer to the actor responsible for bulk power system balancing and real-time dispatch as the Balancing Authority
or BA. The BA can take many forms. In the U.S., vertically integrated utilities, independent system operators (ISOs), and
regional transmission operators (RTOs) perform balancing in different geographies. In the European Union, balancing is
performed by transmission system operators (TSOs). Where it is important to do so, we distinguish between a vertically
integrated utility, an independent RTO or ISO, or a TSO.
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This paper has implications for two questions that are currently being debated by regulators
and policy makers globally:
1. What is the role of the distribution system operator (DSO)—independent or otherwise—in future power system operations?
2. What market mechanisms, if any, might be needed under different institutional arrangements to coordinate efficient investment and operational decisions across various actors?
We argue that price signals at the distribution level must be dramatically improved to ensure that network users adopt and operate DERs in a way that maximizes the welfare of the power
system as a whole, rather than for any one network user at the expense of others. We argue that
no single actor today has visibility into the distribution system and capability to run the systems
necessary for efficient price formation. We describe three possible paths forward, and describe the
key tradeoffs between these paths. Improving price signals at the distribution level will also require
significant improvements in electricity tariff design. Default tariffs must align individual incentives
with cost-savings opportunities for the system as a whole. In markets with retail competition, settlement rules for retailers must be updated to ensure that these retailers are financially responsible
for the customers they serve and economically incentivized to facilitate efficient consumption, injection, and investment decisions. Finally, new market mechanisms such as auctions for non-wires
alternatives may be necessary, as short run prices may not coordinate the efficient level and timing
of investment in non-wires alternatives.
2. LITERATURE REVIEW

issues:

Recent literature on coordination at the distribution level has concentrated on three broad
1) the evolving roles of the DSO in system operations;
2) coordination of the DSO and bulk system balancing authorities (BAs) and power markets;
3) the role of price signals in incentivizing efficient DER investment and operations.

We briefly summarize the literature on each of these three dimensions below.
The evolving roles of the DSO in system operations. The U.S. Department of Energy’s
DSPx Initiative (2017) defines many of the capabilities and functions of future distribution network, system, and market operators in a descriptive fashion, focusing on the actions required to
ensure reliable system operations. Martini et al. (2015) and Kristov et al. (2016) discuss alternative
models for assigning distribution level roles to power system actors and advocate for increasing the
responsibility of the DSO in power system balancing and real time operations. Similarly, Corneli et
al. (2015) offers two descriptive high-level visions of the future of DER integration for distribution
utilities, but does not compare the potential efficiency of these visions or the key economic tradeoffs.
Bahramirad et al. (2016) describes a vision for a DSO that takes primary responsibility over scheduling resources and demand within its service territory, but do not compare this structure to other
potential structures.
DSO-BA coordination. A number of authors have focused on coordinating DSO activities
with bulk system balancing authorities. Ruester et al. (2014) highlight the changing nature of the
DSO vis-à-vis the bulk system BAs and argue for increased regulatory oversight to ensure that
DSOs do not abuse their monopoly positions in aggregation and DER markets. Both Martini et al.
Copyright © 2019 by the IAEE. All rights reserved.
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(2015) and Kristov et al. (2015) largely dismiss the potential for a “total TSO” model, in which
the bulk power system balancing authority manages most distribution level operations. California
Independent System Operator (CAISO) et al. (2017) provides a near term roadmap for coordination
in the California context, focusing on ensuring that distribution network constraints are respected in
market and balancing operations. Many other industry reports and academic papers have focused on
this issue, primarily outlining different methods for ensuring operational feasibility in the near term
(see, for example, (ENTSO-E, 2017)).
The role of price signals. Scholars have analyzed the interaction between price signals and
DER adoption for well over a decade. For example, Firestone et al. (2006) highlight the negative
impact of fixed-charges in tariffs on fossil-fuel-based DG. In more recent years, a litany of studies
have focused on network cost recovery in the face of distributed solar (Borenstein, 2017; Brown &
Sappington, 2017; Darghouth, Barbose, & Wiser, 2011), the impact of demand charges on storage
economics (Hledik & Greenstein, 2016; Neubauer & Simpson, 2015), and incentivizing the optimal
placement of DERs through tariffs (Ignacio J. Pérez-Arriaga et al., 2016; Sioshansi, 2016). Related
to the discussion of DER economics and pricing, interest in distribution-level locational marginal
prices (DLMPs) has accelerated in recent years. The literature on DLMPs is vast, but researchers are
broadly focusing on methods for creating efficient short run marginal costs accounting for distribution level constraints (M. Caramanis, Ntakou, Hogan, Chakrabortty, & Schoene, 2016; Papavasiliou, 2017).
We build upon the body of literature by bringing the tariff design debate into the discussion of coordination mechanisms needed for vertically and horizontally disaggregated industries.
We also analyze the role of the DSO in system operations in a transaction cost economics lens,
providing a new perspective with which to analyze the issue. By translating the foundational theory
and modern work in markets and hierarchies to the present situation, this provides a more holistic
framework with which to make informed structure decisions.
3. INDUSTRY STRUCTURE AND COORDINATION
The power sector was historically dominated by either a regional, vertically integrated monopoly generator or a relatively limited number of power producers investing in large plants. Entry
into the generation sector in this paradigm was relatively easy to monitor. Generator operations,
entry, or exit that would have notably negative impact on system costs or reliability was easily managed. However, today, there are relatively few barriers preventing consumers or other investors from
adopting DERs in most developed power systems. Indeed, many DERs3 are consumer products and
require no formal interconnection procedure to speak of. Consumers do not need to coordinate with
the distribution network owner and operator (DNO/SO) to install and operate these devices, despite
the fact that these devices can have significant impact when considered in aggregate (see, for example, Mathieu et al. (2012)). If properly located and operated, DERs hold the potential to reduce
system costs (see, e.g., Cohen et al. (2015)) and emissions (see, e.g. Gilbraith and Powers (2013)).
On the other hand, inefficiently located and operated DERs could increase system costs (see, e.g.,
Schmalensee et al. (2015)) and emissions (see, e.g., Fares and Webber (2017)). Furthermore, DERs
that arbitrage flawed tariff designs can threaten the financial viability of the companies that manage
our critical electricity infrastructure (Kind, 2013) or result in economic transfers between network
users that may be regarded as inequitable (Burger, Schneider, Botterud, & Pérez-Arriaga, 2019).
3. For example, “smart” appliances.
All rights reserved. Copyright © 2019 by the IAEE.
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Some DER owners are motivated to invest in and operate DERs at least partially by
non-economic factors such as peer effects (Bollinger & Gillingham, 2012) or by private value decisions such as a personal premium placed on environmentally responsible or local generation.
However, for the majority of customers and investors, economic incentives significantly influence
(if not wholly determine) DER adoption and operation decisions. Price signals are thus one of best
means to coordinate DER investment and operation decisions by influencing where and when DERs
provide electricity services (Ignacio J. Pérez-Arriaga et al., 2016).
Even in systems in which the DNO/SO is vertically integrated into generation and DER
ownership, the DNO/SO must have mechanisms to incentivize efficient DER deployment and coordinate DER and network investment decisions, as the majority of DNO/SOs are mandated to
interconnect DERs upon request.4 Thus, in all industry structures, the importance of efficient price
signals grows as the competitiveness of DERs increases.
We summarize the price signals that influence DER investment and operation decisions in
four broad, non-mutually exclusive categories:
1.
2.
3.
4.

Energy price signals
Network use of system price signals
Ancillary services and capacity price signals
Subsidies and other policy and regulatory costs

These four categories are not mutually exclusive. For example, wherever nodal prices are
implemented, the locational marginal price in a given area reflects the scarcity of network capacity,
which can signal the need for network capacity investments. Nonetheless, it is useful to distinguish
between these four categories of price signals, as they will be impacted in different ways by different industry organization decisions. There is also an interplay between marginal energy costs and
the price signals necessary for recovering network costs. Because differences in marginal energy
prices across nodes in the network cannot recover all of the system’s network and, in many cases,
capacity costs, the remaining “residual” costs must be recovered through tariffs (Rubio-Oderiz &
Pérez-Arriaga, 2000). However, as differences in marginal energy prices rise, the total residual costs
that must be recovered fall.
Subsidies and policy and regulatory costs emerge from policy decisions to support certain
classes of technologies or customers, or from general taxes. Both decisions to subsidize certain
technologies and the methods for recovering the costs of these subsidies can significantly impact
industry structure. The motivation for this paper—the rising penetration of DERs—has been spurred
in many locations by significant policy support. Thus, these policies have created a need for a reconsideration of industry structure. Similarly, the inefficient allocation of policy and regulatory costs—
through volumetric tariffs, for example—can be highly distortionary and impact the consumption,
production, or investment decisions of network users. This in turn affects structure. We discuss this
latter issue in Section 6. However, the purpose of this paper is not to discuss the optimal technology
support policies, or even the optimal method for recovering policy and regulatory costs. Rather, our
focus is on the structures needed to create efficient energy price formation and to enable an efficient
mix of generation, network, storage, and demand resources. As a result, we largely avoid discussing
policy and regulatory costs.
Today, mechanisms to coordinate DER investments and operations within the power system are limited. For DERs connected “behind the meter” (BTM) at customer sites, the primary
4. Interconnection is typically required as long as these DERs meet local interconnection standards, pay any associated
interconnection fees, or pay the cost of network upgrades required to accommodate interconnection.
Copyright © 2019 by the IAEE. All rights reserved.
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coordination signals are retail electricity tariffs, discussed in Section 6. Increasingly, BTM resources
are participating in wholesale capacity and energy markets, which represents a promising path towards better integration. DERs connected “in front of the meter” have historically participated more
actively in wholesale markets than BTM resources. However, as we discuss in Section 4, these
markets do not today account for distribution network conditions—a fact which may become more
important as DER penetration rises. Demand response (DR) resources are the sole exception to the
rule that DERs have not actively coordinated with other resources in the system. DR investment and
operation has long been coordinated with network and generation investments, due primarily to two
factors. First, long standing “integrated resources planning” practices required utilities to consider
investments in price responsive demand or energy efficiency as alternatives to traditional infrastructure. Second, favorable rules for demand response aggregators has created robust participation of
DR in today’s wholesale energy and capacity markets.
In Section 4, we discuss the mechanisms needed to coordinate investments and operations
in DERs and network assets in the short and long term. We begin with a discussion of the entity
responsible for coordinating and dispatching resources on operational timescales in order to ensure
reliable power system operations, as these actions determine the prices that coordinate the behavior
of other actors. We then discuss the role of short-term price signals in the planning and operation of
the distribution system and the power system more broadly. This discussion includes a description
of the primary means of communicating these short-term price signals to distribution-connected
customers: electricity tariffs. Finally, we conclude with a discussion of the mechanisms and price
signals needed to coordinate long term planning and investment.
4. THE ROLE OF THE DSO VIS-À-VIS BULK SYSTEM BALANCING
AUTHORITIES
Bulk system balancing authorities (BAs) today balance power at the transmission level by:
1. Ensuring the feasibility of power flows scheduled by generators, storage providers, aggregators, and retailers in the weeks- to day-ahead time frames.
2. Issuing security-related dispatch orders to generators in real time to match supply and
demand within system operating constraints.
Security-related dispatch orders are the shortest timescale operational decisions in the
power system (aside from protection coordination schemes, automatic inertial response, and generator control). The final production and consumption schedules that result from generator and consumer schedules and system operator dispatch decisions result in a set of marginal prices for energy
and operating reserves that are related to the marginal cost of the resources providing these services
(Hogan, 2013; Schweppe, Caramanis, Tabors, & Bohn, 1988). Ideally, these prices would align
the economic incentives of individual agents with the final scheduled production and consumption
decisions cleared by the system operator. Such “equilibrium” prices eliminate the potential for arbitrage, limit the need for carrying reserves, and maximize the system’s welfare. In practice, BAs
are also therefore generally responsible for generating an incentive-compatible set of final prices for
real-time or balancing markets and various reserve products that reflect the marginal cost of matching supply and demand.5 Making welfare maximizing security-related dispatch decisions requires
5. The exception is where a vertically integrated utility acts as BA for their own system independent of any organized
market.
All rights reserved. Copyright © 2019 by the IAEE.

Restructuring Revisited Part 2: Coordination in Electricity Distribution Systems / 61
the system operator to have a robust knowledge of the network and the constraints and marginal
costs of the resources connected to it. However, at present, neither the DSO nor the BA have both
visibility into distribution system operations and the capability of computing and communicating
optimal distribution-level prices and dispatch orders.
Given their experience in bulk system operations, BAs have many of the capabilities necessary to compute and communicate efficient prices and the associated dispatch orders. However,
BAs have little or no visibility into: 1) the network conditions of the distribution networks connected to their system, 2) any DER or aggregator dispatch orders issued by DSOs, or 3) DER operation or consumption decisions made by users connected to the distribution system.6 As a result,
BAs run the risk of issuing suboptimal dispatch decisions. BAs also run the risk of issuing dispatch
orders to DER providers or aggregators that are infeasible due to distribution system constraints or
that conflict with dispatch instructions sent by the DSO to consumers, DER providers, or aggregators. Conflicting DSO and bulk system BA orders result from “tier bypassing,” wherein an actor
in the distribution network makes a physical commitment without incorporating distribution-level
network externalities (Taft & Becker-Dippmann, 2015).
DSOs, on the other hand, have visibility into distribution system operations but, to date,
have little to no experience creating economically optimal system operations. In addition, DSOs
have little to no visibility into bulk system conditions, and, in many cases, into the investment or
operation decisions of DER owners. As a result, DSOs (and, equally often, BAs) lack knowledge
of the potential for DERs or demand to take action to support system operations. This has led to a
variety of discussions over how to coordinate DSO operations with demand, DER providers, aggregators, and bulk system balancing authorities (Eid, Codani, Perez, Reneses, & Hakvoort, 2016;
ENTSO-E, 2017).
At the highest level, there are three basic models for coordinating the DSO and BA roles
and enabling efficient price formation across both transmission and distribution networks, as depicted by Figure 1 below. The numbers in Figure 1 correspond roughly to the order of the flow of
information in each model. In each model, the BA and DSO coordinate to some degree to ensure
that demand and supply are balanced within transmission and distribution constraints. The goal
Figure 1: Three basic models for coordinating DSOs and bulk system Balancing Authorities

6. This may not be true in cases where the BA is a vertically integrated utility, as, in theory, the vertically integrated
utility has visibility over its entire network. Such visibility may not be true in practice given technological shortcomings (for
example, limited smart meter deployment or lack of SCADA coverage in lower voltage distribution feeders).
Copyright © 2019 by the IAEE. All rights reserved.
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of all of these methods is to ensure system reliability while limiting any price differences at the
“seams” between transmission and distribution that do not result from losses or congestions—that
is, to maximize all welfare improving trades across the widest possible geography while respecting
all physical and reliability constraints.
4.1 Enhanced DSO models
In enhanced DSO models, the DSO has sole responsibility for distribution level power
balancing. The DSO would first aggregate all demand, DER, and aggregator bids for electricity
injection or withdrawal within their network territory. The DSO would also make or aggregate
any necessary forecasts of unscheduled demand or DER production (such as from solar PV). The
DSO would then ensure the feasibility of these potential power flows under a range of different
assumptions about potential transmission-level power flows and prices (step 1). The DSO would
then provide the transmission-level BA with an aggregate demand or supply bid for energy and ancillary services that is a function of power flow and price at the transmission-distribution interface
(step 2). For this process to be run in one step, this bid would need to contain price-quantity pairs
at the transmission-distribution interface(s) for all potential prices and power flows that could result
from the bulk system BA’s subsequent economic dispatch and optimal power flow solution. The BA
would then incorporate the DSO’s supply-demand function into its transmission-level security-constrained economic dispatch decisions and communicate the resulting price and flows at the transmission-distribution interface to the DSO (step 3). Upon receiving BA dispatch orders, the DSO would
dispatch all distribution level resources and perform any security-related re-dispatching7 to ensure
that network flows in distribution are feasible and that the flow across the transmission-distribution
interface is equal to the level in the BA’s dispatch (step 4). Under this setup, the bulk system BA
would, in theory, have and need relatively little information regarding the status or topology of the
distribution system, other than the DSO supply-demand function submitted in each time period.
Some algorithms, such as those proposed by Caramanis et al. (2016), Li et al. (2014),
and Huang et al. (2015)the distribution system operator (DSO clear energy and ancillary services
while accounting for both transmission and distribution resources and constraints. These models
“decompose” the power system into the transmission and distribution levels.8 In such methods, the
distribution level problems are solved and iterated with the transmission level problem until an equilibrium solution is found. In this case, information is exchanged primarily at the transmission and
distribution interface. Depending on the entity responsible for running these clearing processes (i.e.
the DSO or the BA), this can be interpreted as an implementation of an enhanced DSO or enhanced
BA model. Regardless, in these systems, the bulk and distribution system scheduling problems
are solved independently and coordinated to reach a globally optimal (or near-optimal) solution.
This bi-level structure with coordination at the transmission-distribution interface also emulates the
model described by some proponents of active distribution network management (see, for example,
(Saint-Pierre & Mancarella, 2016)market constraints, and scheduled power flows at the interface
with the transmis- sion system. A novel framework for ADSM, which incorporates a dual-horizon

7. As discussed in Part 1 of this two-part paper, this authority raises the importance of strict separations between the
system operator role and any market participants.
8. Often this decomposition is between the meshed and radially-operated portions of the network. This has led some
scholars to argue that it may be necessary to consider re-assigning the proper boundary between transmission and distribution
to the meshed-radial boundary (MIT, 2016, Ch. 6).
All rights reserved. Copyright © 2019 by the IAEE.

Restructuring Revisited Part 2: Coordination in Electricity Distribution Systems / 63
rolling scheduling model based on dynamic ac optimal power flow, is proposed in this paper. In the
first stage (planning).
4.2 Hybrid models
In hybrid models, the BA and DSO share responsibility for real time power balancing. In
this model, the DSO clears demand, DER, and aggregator schedules either before (Option A in Figure 1) or after (Option B in Figure 1) these schedules have been cleared with the BA. This effectively
involves the DSO and BA sharing information to avoid any infeasible or conflicting dispatch orders.
Consumer, DER, and aggregator positions will depend on transmission-level outcomes and
a variety of exogenous factors. Likewise, transmission-level outcomes will depend on the aggregate
demand or supply at all transmission-distribution interfaces. If the DSO and BA were to execute
this process in real time, the process would need to involve rapid iteration to reach a convergent
solution. Alternatively, the DSO and BA could accept sub-optimal but feasible solutions. That is,
the DSO and BA may accept solutions that do not maximize total system welfare but that do meet
all system constraints. In such an instance, either the DSO or BA would have primacy in the case of
conflicts. One mechanism for establishing primacy would be to assess the marginal value of the two
conflicting dispatch options to determine which dispatch order should be executed, with the second
actor then finding a feasible but potentially suboptimal alternative dispatch decision. This is likely
to be more efficient, albeit more complex, than a solution in which one actor has primacy in case of
all conflicts.
In systems with low penetrations of DERs and few operational measures required of the
DSO, this model may be workable without substantial efficiency loss. Indeed, variations of this
model are in place today and expansions of this model are proposed by CAISO et al. (2017) and
ENTSO-E (2017) as intermediary solutions for the near term. In these cases, no single entity retains
full responsibility for dispatch of resources in a given geography. However, with high penetrations
of DERs and frequent operational measures taken by the DSO, the infrastructure and the arrangements necessary to enable such a model may increase transaction costs and prove more costly or
challenging than alternatives.
4.3 Enhanced BA models
In enhanced bulk BA models, the DSO cedes the responsibility for ensuring the feasibility of power flows and power balancing at the distribution level to the bulk system BA. The DSO
would provide the BA with all necessary information regarding the status of the distribution network (step 1). All network users—whether distribution or transmission connected—would submit
bids for production or consumption to the bulk system BA directly or through an aggregator (step
2). The BA would also forecast any unscheduled generation or load (step 2). The BA would then
dispatch all transmission and distribution level resources accordingly (step 3).9 This option would
likely prove computationally infeasible using the algorithms currently employed by BAs to clear
security-constrained economic dispatch of bulk power systems. Enhanced BA models would effectively resemble an expanded version of the market clearing and system operation models in place
in the U.S. and Europe today, but with one or two orders of magnitude greater number of network
branches, users, and decisions.

9. A variant of this model would have the BA issue dispatch orders to the DSO who would then execute these orders.
Copyright © 2019 by the IAEE. All rights reserved.
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4.4 Tradeoffs and considerations
This section describes the key tradeoffs between the above three models. We note that both
the enhanced DSO and enhanced BA models require as-of-yet unproven methods for clearing and
coordinating markets at a large scale. Thus, in the near term, it is likely that hybrid models with
feasible but suboptimal outcomes will prevail. As DER penetration increases, regulators and policy
makers may benefit from reconsidering the mechanisms that coordinate DSOs and bulk system
BAs. Thus, which solution is likely to prevail?
With an efficient and low-cost method of coordinating power flows between DSOs and
BAs, the enhanced DSO model is an attractive option, as it would facilitate a combined DNO/SO
that retains economies of scope from network ownership and operation and would allow substantial
gains from trade coordinated by a method for calculating globally-optimal (or near-optimal) distribution locational marginal prices (DLMPs). While practical application of such a coordination
mechanism has not been demonstrated to date, it is possible that a method could be developed and
applied in the future (see, for example, the discussion of decomposition algorithms for computing
DLMPs in section 4.1).
In the near-term, lacking sophisticated and as-of-yet unproven mechanisms for coordinating power exchanges between BAs and DSOs, enhanced DSO models could significantly decrease
trade between resources at the transmission level and demand and DERs at the distribution level
and between DERs in one distribution system with demand in another. This could dramatically decrease the amount of welfare enhancing trades made under this construct. For context, there are over
3,000 DNO/SOs in the U.S. today. If each DSO acted as an independent balance authority within
its service territory, this would increase the number of BAs operating in the U.S. by two orders of
magnitude (the U.S. had 66 BAs as of July 2016) (EIA, 2017). Proponents of enhanced DSO models
note that BA-DSO coordination could mimic today’s inter-ISO coordination (Kristov et al., 2016).
However, inter-BA trading has historically been very limited; a review of hourly U.S. trading data
reveals that roughly 90% of all power produced in a given BA’s territory was consumed in that territory between 1999-2012 (Cicala, 2017, p. 18). One could interpret this as meaning that balancing
authorities have not historically effectively coordinated to maximize the benefits of potential trades
between their areas. Alternatively, one could interpret this as the result of balancing authorities expanding their geographies to the point that maximizes the achievable gains from trade.
Neither interpretation would lead one to believe that DSOs are the optimal scope for balancing responsibility. A single distribution system is unlikely to be the ideal size to maximize gains
from trade, and the enhanced DSO model would necessitate significant cross-seams trading and
associated transaction costs. Furthermore, the existing evidence indicates that inter-BA coordination is sub-optimal. U.S. BAs have expanded several times in the past decade, each time realizing
increased gains from trade. For example, the development of the Western Energy Imbalance Market
(EIM) yielded many benefits by coordinating real time dispatch among previously independent BAs
in the Western Interconnect in the U.S. (CAISO, 2017). The EIM was established in 2014, indicating that gains from trade were available but uncaptured at the time of EIM formation. Furthermore,
several expansions of PJM and a recent expansion of the Midcontinent ISO in the U.S. also yielded
benefits, primarily from gains from trade (Mansur & White, 2012; MISO, 2017). In Europe, the benefits of greater market integration have been estimated to be on the order of several billion dollars
per year (Newbery, Strbac, & Viehoff, 2016). While this evidence is not definitive, it indicates that
methods to coordinate markets and balancing areas are not yet fully developed, and that dramatically increasing the balkanization of markets may be very costly.
All rights reserved. Copyright © 2019 by the IAEE.
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In addition to creating a need for novel and sophisticated DSO-BA coordination mechanisms, each DSO would have to develop the computing infrastructure and knowledge required
to assess the feasibility of power flows and balance power across many time scales. The cost of
this infrastructure is not negligible (Greenfield & Kwoka, 2011). The total expenses of PJM—the
largest balancing authority in the U.S. by generation capacity—were roughly $277 million in 2016
compared to total billings of over $39 billion (roughly 0.7% of the total system costs) (PJM, 2017).
Depending on the degree to which these costs scale with the size of the market (that is, whether or
not they decrease substantially at the distribution level), building this infrastructure at the distribution level may or may not entail significant costs.
Enhanced bulk BA models require the BA to have a complete understanding of the DNO
network and the resources and demand connected to this network. BAs have substantially greater
experience than distribution utilities at efficiently and dynamically operating electricity systems,
which lowers the cost of system operation (Greenfield & Kwoka, 2011). However, accounting for
all distribution system conditions and DER characteristics would require a significant increase in the
complexity of BA operations, and will require new learning. For example, the CAISO system contains 26,000 miles of transmission lines, while the three largest DNOs in California together manage
over 255,000 miles of distribution lines (CAISO et al., 2017). A BA-led system would require modeling the constraints of more than one order of magnitude more lines and network users. Further, it
would require new computational techniques, as many distribution circuits are unbalanced 3-phase
circuits and cannot be modeled using the techniques traditionally used at the transmission level (Papavasiliou, 2017). It is therefore unclear whether operating an enhanced BA model would be computationally feasible or practical with today’s technology. Furthermore, there may be jurisdictional
impediments to an enhanced bulk BA model in the U.S., given that distribution utilities are regulated
at the state level, while ISOs/RTOs are regulated at the federal level.
In addition, enhanced bulk BA models effectively emulate independent distribution system operator (IDSO) models. In non-vertically integrated markets, the BA (serving as the distribution system operator) would be independent from the distribution network owner. A BA-led model
would therefore create many of the transaction costs discussed in Part 1 of this paper series.10 These
potential inefficiencies must be weighed in considering a BA-led model.
Figure 1: Tradeoffs between distribution system operational models

10. In Part 1, we note that, due to the frequency and nature of the interactions between the DNO and the DSO, separating distribution system operation and ownership would create substantial coordination and transaction costs. While system
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With perfect information flows and zero transaction costs between the DSO and the BA,
enhanced DSO and enhanced BA models are effectively identical. In reality, of course, information flows are imperfect and not costless. Reliable methods that enable the extension of locational
marginal prices into distribution networks in a manner that is computationally tractable on the time
scales necessary to coordinate efficient dispatch is an active area of research (and entrepreneurial
activity) (Michael Caramanis et al., 2016; Papavasiliou, 2017). Which algorithms (if any) ultimately
succeed—and the information sharing, point of decomposition, and other attributes of these methods—may have implications for the responsibilities of bulk BAs and distribution network utilities.
Proactively considering these implications is a useful area for further research.
This discussion highlighted the tradeoffs in establishing which entity—the DSO, the BA,
or some combination of both—should be responsible for balancing power and thus computing the
prices of electricity services at the distribution level. The following sections analyze what types of
price signals are necessary and likely to exist at the distribution level, regardless of which entity is
responsible for computing these price signals.
5. ENERGY, ANCILLARY SERVICES, AND CAPACITY PRICES
It is theoretically possible to extend the marginal cost-based price formation process used
in bulk power systems into the distribution network to create prices for DERs and consumers reflective of network constraints and marginal costs of supply at a given time and place. In theory,
globally harmonized locational marginal prices that extend through both transmission and distribution systems would be the most efficient method of coordinating dispatch and balancing at both
bulk and distribution levels (Caramanis et al., 2016; Schweppe et al., 1988). Under such a system,
the short run prices of energy, ancillary services, and capacity products are related to the marginal
cost of providing these services. In systems with organized wholesale markets, these prices emerge
from a combination of: 1) market operations that match the least cost set of generation resources
with demand, 2) physical network constraints on power flows, and 3) any security-related actions
taken by the system operator. In vertically integrated systems, these prices emerge from internal
dispatch decisions by the vertically integrated utility. Marginal prices—in conjunction with capacity
remuneration mechanisms—already serve to coordinate investment and operation decisions in generation, storage, and network resources at the bulk system level.11 While the owners of some DERs,
such as homes with rooftop solar PV, do not schedule their production or consumption decisions in
markets, the impacts of these resources must be accounted for in any dispatch processes.
In the near term, due to the practical difficulty of computing globally optimal distribution-level locational marginal prices at present, DNO/SOs will need to rely on proxies for the true
value of energy, ancillary services, and capacity at the distribution level. These proxies may be the
price of energy at the relevant transmission node, adjusted to reflect estimated marginal losses in
each distribution voltage level. In addition, as we discuss in Section 6, the price signals that the vast
majority of distribution network users currently see are tariffs, which are, in the majority of cases,
crude proxies for the real prices of energy and network services as well.

operators and transmission owners face similar challenges, the complexity and nature of distribution make separation more
costly at the distribution level.
11. For a short summary of energy, capacity, ancillary services, and network and policy costs, we refer readers to Burger
et al. (2019).
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DNO/SOs may wish to rely on market mechanisms to identify the lowest cost resources
for relieving distribution system constraints on operational timescales (this will be especially true
in enhanced DSO models). The key question from a structural perspective is whether these markets
should be organized by the DNO/SO or by an independent market operator. To ensure transparency
and prevent foreclosure, the market operator must maintain complete independence from market
activities. This has been a key design feature of wholesale electricity and ancillary services markets in both the European and U.S. contexts. Thus, in systems with competition in the DER and/or
aggregation roles and where the DNO/SO is integrated downstream into these roles, a third-party
market operator may be critical for short-term operational markets. The European market context
demonstrates the possibility of independent market operators (“power exchanges”) working in coordination with network owners and operators. However, such a structure can require the system operator to make out-of-market congestion management payments, which can harm efficiency (Neuhoff,
Hobbs, & Newbery, 2011). This inefficiency is related to the frequency of unexpected congestions,
which, depending on the state of the distribution network, may or may not be high. This strengthens
the argument for ensuring the structural independence of the DNO/SO (see Part 1 of this two-part
paper series), so that the DNO/SO may act as a neutral market operator and integrate market activities with distribution system operations.
Some power system stakeholders have highlighted the potential for local or peer-to-peer
markets to replace existing system operators and market mechanisms. These stakeholders argue
that these decentralized markets will, among other things, create greater value for DER owners and
enable consumers to procure power that better matches their preferences (NYDPS, 2014; Parag &
Sovacool, 2016; Rosen & Madlener, 2016). We note two challenges that these peer-to-peer markets
must overcome.
First, network externalities—losses and congestions that result from the aggregate behavior of all network uses—may make peer-to-peer architectures reliant on bilateral transactions infeasible or inefficient, as it is impossible for transactions to account for their impact on network
congestions without global omniscience of all trades (Mansur & White, 2012).
Second, power markets deliver the greatest benefits when they span the largest possible
geographies. Restricting markets to specific geographies to enable peer-to-peer markets would
therefore substantially reduce gains from trade, and it can also decrease market liquidity, which
can increase the ability of certain participants to exercise market power and result in suboptimal
market outcomes. An alternative to bilateral peer-to-peer markets is to ensure DERs are capable
of participating in other more geographically diverse market mechanisms, such as existing wholesale markets, multilateral markets for distribution-level services, and/or distributed globally optimal
market clearing processes.
This section focused briefly on the form of the price signals necessary for coordinating
investments and operations at the distribution level. As one would expect, these price signals have
direct corollaries at the transmission level. However, at the distribution level, the majority of consumers do not respond directly to market-based price signals. Rather, they respond to tariffs, the
topic to which we turn next.
6. THE ROLE OF TARIFFS
At the distribution level, the price signals for energy, network access, and ancillary services
are typically bundled in retail tariffs along with other power system costs. The vast majority of
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residential and commercial electricity consumers do not buy and sell electricity directly in markets
and negotiate for network access with transmission and distribution utilities. Rather, a retailer—
competitive or monopoly—assumes financial responsibility for an aggregation of customers, procuring and scheduling energy consumption and production in markets and with the relevant system
operator and network owners. Network users in turn pay retailers a tariff for energy use or are paid
at a tariff-determined rate for energy production. As a result, retail electricity tariffs are the primary
investment and operation signals for DERs (Carley, 2009).
Given that tariffs will influence DER adoption and operation decisions in all industry structures, cost-reflective tariffs are necessary to align the incentives of network users with the incentives
of the system (Ignacio J. Pérez-Arriaga et al., 2016, Chapter 4). Tariffs that do not reflect the shortrun marginal cost of energy consumption and production decisions have two deleterious effects.
First, they distort investment and operation signals for DERs and electricity consumers in ways that
increase total costs of delivered electricity services. Second, they shift costs between network users,
as any time a user saves more on their retail bill than they reduce system costs, another system user
inevitably pays for the remaining system costs. Numerous authors—for example, Kassakian et al.
(2011), Borenstein (2017), Brown and Sappington (2017)—have highlighted this phenomenon in
the case of rooftop solar PV, for example.
The magnitude and structure of the retail tariff may be determined by a regulatory agency,
by the retailer, or both. Unfortunately, at present, these retail tariffs typically bear relatively little
relation to the marginal costs of providing electricity services at any given time and location. Figure
2 below contains the number of customers in the U.S. with advanced metering infrastructure (AMI)
capable of recording electricity usage profiles over time and the small fraction of these customers
that actually receive a tariff that varies with time (EIA, 2017).12 Only a small fraction of all customers with AMI are presented with a “dynamic pricing” tariff that reflects the change in value of
energy at different times in any capacity (Figure 2). An even smaller fraction of these customers on
dynamic prices—3% of residential customers, 40% of commercial customers, and 70% of industrial
Figure 2: Number of U.S. customers with AMI and the percent of these customers with
dynamic tariffs

12. The Energy Information Administration’s Form 861 reports the number of customers
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customers—even have the option of receiving a tariff that reflects the price of energy on an hourly
basis (EIA, 2017). Other countries, such as Spain, where market-based, real-time pricing is offered
as a default, have much greater experience with efficient pricing schemes.
Further, retail electricity tariffs tend to bundle the cost of energy, network and generation
capacity, and policy costs and subsidies into a volumetric price that artificially inflates the marginal
cost/value of energy seen by ratepayers (Fares & King, 2017). This is highly distortionary in the
cases where the vast majority of network and policy costs are residual—that is, they cannot be
changed with changes in consumption or production (Woo, Lloyd-Zannetti, Orans, Horii, & Heffner, 1995). This distortion in retail rates incentivizes customers to bypass grid-based electricity
in part or in full and leads to an inefficient mix of network and generation resources. For tariffs to
encourage efficient coordination between network utilities, generation companies, and myriad distributed users or producers of electricity services, it is critical that regulators design tariffs in a way
that reflects marginal costs as closely as possible and does not favor private benefits over system
wide welfare benefits. In practice, if regulators wish to enable customer choice and continue to allow
all resources to interconnect, they must set default rates to an efficient structure (with appropriate
means-tested social protections (Burger et al., 2019).
Evidence from numerous studies suggest that electricity consumers reduce consumption
in response to short-term increases in electricity prices (see for example, (Allcott, 2011)despite
substantial hourly variation in the wholesale market price. This paper evaluates the first program to
expose residential consumers to hourly real-time pricing (RTP). Some scholars have argued that,
due to transaction costs and attention limits, consumers might prefer and even respond more acutely
to less-variable prices (Schneider & Sunstein, 2017). If this is the case and consumers are charged
according to a marginal-cost based tariff, competitive entities (for example, aggregators) will ultimately find value in offering contracts, hedging strategies, and demand management to help consumers reduce costs and minimize the attention they must pay to electricity prices.
Changes to industry structure at the distribution level do not fundamentally alter the importance of creating efficient, cost-reflective tariffs. A number of alternative regulatory changes could
increase the use of efficient rates. Improving DNO/SO remuneration mechanisms could increase
DNO/SO incentives for enrolling customers in efficient tariff programs. In addition, improving the
settlement rules for load-serving entities (LSEs) (i.e. retailers and DNO/SOs) would improve incentives for LSEs to pass on efficient price signals (Chao & Wilson, 1987; P. Joskow & Tirole, 2006,
2007) demonstrate how targeted curtailment of customers that have not procured sufficient capacity
(directly or through a load-serving entity) helps customers internalize the value of reliability and
induces efficient price response in peak price hours. In sum, ensuring LSEs are fully financially
responsible for the customers they serve and enabling targeted customer curtailment would dramatically improve incentives. This would result in either LSEs passing through efficient price or creating
alternative mechanisms to minimize the cost of servicing their customers.
Efficient tariffs that reflect the real-time short run marginal cost of energy delivery will help
consumers or businesses identify the optimal locations for DER deployment, and the optimal operating schedules at these locations. While many regulatory authorities are considering proxies for
efficient tariffs—such as time-of-use or critical peak prices that reflect average costs across different
time periods—these proxies tend to contain only a fraction of the information of a truly efficient
signal (Hogan, 2014). Thus, we do not discuss proxies for efficient marginal signals in much detail.
Due to customer and DNO/SO risk aversion and a variety of challenges associated with
short-term electricity pricing, the DNO/SO may wish to signal valuable locations for DER investment through other means, such as through targeted procurements. We turn to this issue next.
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7. THE ROLE OF LONG-TERM PLANNING AND FORWARD CONTRACTING FOR
DISTRIBUTION NETWORK SERVICES
The traditional network planning process involves forecasting future demand and designing the network infrastructure necessary to meet this expected demand (with a healthy operating
margin). Now, however, DNO/SOs must plan their networks accounting for more flexible and dynamic load and the potential for electricity production from DERs. Cost minimizing DNO/SOs may
wish to procure services from DERs and flexible demand (or aggregations thereof) as opposed to
investing in network infrastructure (e.g. pursue so-called “non-wires” alternatives to traditional network or “wires” investments). However, network investment decisions are typically made months to
years in advance of real time. In contrast, DER investment decisions may be made weeks to months
in advance. Real-time operational decisions are made days to seconds in advance but should also be
consistent with efficient long-run investment in network assets and DERs. Should the DNO/SO fail
to build sufficient network capacity or contract for DER services, binding demand-driven congestions could result in undesired demand curtailment or localized blackouts. This difference in time
scales creates a coordination challenge for DNO/SOs.
To address this coordination challenge, DNO/SOs and regulatory agencies are attempting
to improve planning processes. Regulators have long mandated that DNO/SOs in many states engage in integrated resource planning. In recent years, some U.S. states have begun mandating more
involved and detailed planning processes, with greater emphasis on distribution system planning
and more cost effective integration of DERs (see, for example, CPUC (2014) and NYDPS (2015)).
These planning processes are intended to help DER developers target value-maximizing areas in
DNO/SO networks. To the extent that these plans communicate the expected marginal value of
providing electricity services in any given area, they can help convey efficient coordination signals.
Once utilities have signaled expected high value areas, can they rely on efficient tariffs
to provide sufficient response from DER developers, or will additional mechanisms be necessary?
The answer depends on the ability of price signals to stimulate adequate investment and ensure the
firmness of these investments in real time. An efficient retail tariff should include forward looking
elements that signal the impact of network users’ consumption or production decisions on future
network investments (MIT, 2016). With efficient tariffs that fully internalized the costs (or value)
of a network user’s decision, the DNO/SO could, in theory, rely on the response of network users
to curtail demand or production to avoid congestions or system failures. However, there are many
reasons why such short-term price signals might not stimulate adequate investment on their own.
These reasons have direct corollaries in the debate over the need for capacity remuneration mechanisms versus relying on “energy only” markets and short-run marginal prices to coordinate sufficient
investment in firm generating capacity.
First, regulators may not allow retail tariffs to rise to the point necessary to stimulate the
magnitude of network or DER investments necessary to meet high regulatory requirements for
reliability. This mimics the challenge created by price caps in wholesale electricity markets that do
not align with regulatory requirements for capacity adequacy (Cramton, Ockenfels, Stoft, & others,
2013; Paul L. Joskow, 2008).
Second, there are incomplete forward markets for securing sufficient network or firm operational capacity to meet expected demand for distribution network services. DNO/SOs must make
network investments in anticipation of network user behavior. However, today there are no forward
mechanisms allowing consumers to express their willingness to pay for future network capacity.
This problem is described well by Ofgem (2017). The absence of forward markets for network
All rights reserved. Copyright © 2019 by the IAEE.
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capacity is especially problematic given that many customers and, indeed, DNO/SOs are likely risk
averse. DNO/SOs are often financially rewarded (or penalized) for meeting (or missing) reliability
targets; as a result, DNO/SOs may wish to forward contract to ensure that providers of non-wires
alternatives deliver energy when needed. In addition, DER owners are likely to value long-term
agreements with purchasers of the services that they provide and financial hedges against sustained
periods of high prices.
Finally, energy prices alone do not signal the full value of network investments. This fact
has been demonstrated repeatedly at the transmission level (I.J. Pérez-Arriaga, Rubio-Odériz, Gutiérrez, Ogando, & Marín, 1995) and recent evidence demonstrates that this fact is likely to hold at the
distribution level (MIT, 2016). In short, even if energy prices were unconstrained, consumers may
still be unable to internalize the network cost impacts of their investment and operation decisions
via short-run marginal prices alone.
For all of these reasons, where a DNO/SO has determined that a non-wires investment is
the most efficient solution, DNO/SOs may wish to secure long-term contracts for capacity well in
advance of real time with strict performance requirements for delivery. This practical observation is
bolstered by theoretical and empirical research that predicts that transactions that navigate significant uncertainty (e.g. future demand or supply) and rely on highly specific assets with long life spans
(e.g. network assets or DERs) tend towards long-term contracts (Paul L Joskow, 1985; Lafontaine
& Slade, 2007; Williamson, 1979). The most high profile non-wires alternatives programs—such as
the BQDM project in New York City—have relied on such forward contracts (Coddington, Sciano,
& Fuller, 2017).
To maximize the transparency and minimize the costs of these non-wires alternatives procurements, the DNO/SO may wish to rely on competitive procurement mechanisms. Long-term
markets for firm or financial distribution network capacity rights may also aid in identifying consumer willingness to pay for network expansion and opportunities to harness elastic demand in lieu
of network capacity. The contrast between markets to procure long-term contracts for non-wires
alternatives and a long-term market for firm network capacity rights mirrors the distinction between
participation of demand response providers in wholesale electricity or capacity markets versus full
participation of demand in these markets. In either case, the exact design of these forward markets
for non-wires alternatives or firm network capacity is a subject ripe for further research. The existing
body of literature on transmission network investments and generation adequacy provides a strong
theoretical starting point.
In order to prevent foreclosure, the operator of these forward markets should be fully independent from any market participants. This implies that in systems in which the DNO/SO is not fully
unbundled from DER ownership or aggregation (retail or otherwise), a third-party market operator
may be necessary to create a level playing field between monopoly and non-monopoly providers.
Alternatively, the DNO/SO could manage the procurement process subject to closely monitored
open standards, data transparency requirements, and third-party review of the bids. Open procurement mechanisms could mirror those leveraged by some vertically integrated utilities today. For
example, to ensure transparency, Pacific Gas and Electric (PG&E) in California uses a third party
to solicit bids for non-wire alternatives to distribution network infrastructure and an “independent
evaluator” to review these bids (PG&E, 2017). Similar processes are used by vertically integrated
utilities to consider procurement of generation from independent power producers versus building
and owning their own generation assets. As replacing network infrastructure with non-wires alternatives becomes more commonplace, the DNO/SO may wish to run many auctions per year. Communicating auction requirements to a third-party operator or engaging in thorough regulatory oversight
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will likely increase transaction costs significantly. In this case, it may become advantageous to
address concerns about potential anti-competitive practices through structural reforms—that is, by
barring DNO/SOs from participating in DER ownership and aggregation as discussed in Part 1 of
this paper series.
8. DISCUSSION AND CONCLUSIONS
If integrated efficiently, the emergence of DERs provides new opportunities to lower power
system costs. However, the mechanisms developed to coordinate investment and operation in electric power systems were not developed with significant participation from distribution-connected
resources in mind. The power system is likely to become increasingly decentralized and vertically
disaggregated as participation from DERs and demand-side resources increases. This necessitates a
renewed focus on the mechanisms that coordinate vertically and horizontally disaggregated actors
in the power sector. We provide three key conclusions regarding coordination and price signals at
the distribution level.
First, as the penetration of DERs increases and as DNO/SOs increasingly rely on DERs
as alternatives to traditional network infrastructure, power system stability and reliability will be
increasingly tied to how distribution-connected resources are dispatched. However, today, no single
entity has visibility over distribution network constraints and capability to efficiently modify dispatch according to these constraints. This requires a reconsideration of the entity that is responsible
for balancing power on operational timescales and mechanisms for coordination between distribution system and bulk power system balancing. Two likely potential models emerge: one in which
the DSO takes full responsibility for distribution-level balancing, and one in which the bulk system
balancing authority takes responsibility. Both models have tradeoffs and their most efficient implementation depends on as-yet-unproven methods for computing a globally optimal dispatch and
power flow solution that spans transmission and distribution networks alike. An enhanced DSO system will require efficient coordination mechanisms between the DSO and the bulk system balancing
authority. Without such coordination mechanisms, a DSO-led system could significantly balkanize
electricity markets and reduce welfare improving trade. A bulk system balancing authority-led system would eliminate significant economies of scope between the system operator and the DNO.
However, given that the BA-led system would enable balancing and coordination over the widest
possible geographic area, such a system would likely maximize the possible gains from trade. The
costs and benefits of different options for power balancing at the distribution level is a key area for
further research. In the short term, suboptimal but feasible arrangements involving increased communication between DSOs and BAs and shared responsibility will likely prevail.
Second, price signals at the distribution level—retail tariffs in particular—must be dramatically improved to better reflect the marginal cost of consuming or producing a given service at a
given time and location in distribution networks. This requires a rethinking of the purpose of retail
tariffs. Tariffs are no longer simply a mechanism for cost recovery within social and regulatory constraints. The emergence of DERs dramatically expands the potential number of owners and operators of electricity resources. As a result, tariffs must serve the purpose of supporting the coordination
of efficient investments and operations of the power system’s diverse set of resources.
Finally, in addition to improving retail tariffs, competitive forward procurements for DERs
and flexible demand as alternatives to network assets will likely increase efficiency in all market
structures (that is, structures with and without competition for generation and aggregation). These
procurements will likely mimic generation forward capacity procurements increasingly common at
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the wholesale level. Should the DNO/SO not be, at a minimum, legally unbundled from aggregator
or DER-owning/operating affiliates, third-party monitoring or operation of these competitive procurements may create a more competitive environment and increase transparency and efficiency of
the auctions. Similarly, in vertically integrated power systems, standardized, open solicitations or
third-party run solicitations may be required if an incentive regulation scheme is not in place.
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